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Abstract
Existing pilot, demonstration and commercial storage projects have demonstrated that CO2 geological storage is technically 
feasible. However, these projects do not operate at a scale that is necessary to make a significant reduction in greenhouse gas 
emissions into the atmosphere. The infrastructure for injecting carbon dioxide will need to be an order of magnitude larger than 
current CCS projects, at comparable size of existing petroleum installations. In most cases, the CO2 injection scheme will consist 
of multiple wells, potentially including wells for monitoring and pressure control. 
Despite the advanced understanding of subsurface flow processes and development of modelling tools, there are still conflicting 
results in the literature on the estimation of pressure build-up, the resulting number of injection wells required for large-scale CO2
geological storage and storage efficiency. For these issues, there do not appear to be any adequate analogues. As a result, studies 
on the regional impacts of CO2 storage and the role of hydraulic properties of the sealing unit have been limited to more or less 
generic numerical modelling exercises. Since there are typically large uncertainties in model parameters, such as relative 
permeability, conclusions drawn from generic studies will have limited applicability until they can be tested against field data. 
Uncertainties in predicting reservoir properties and therefore in predicting injectivity will clearly affect the design and economics
of the injection system. Potential trade-offs with respect to costs for transport and reservoir stimulation need consideration.  Also, 
strategies and contingencies will need to be incorporated in development plans to allow for unforeseen changes in injection 
conditions during project life. Continuously updating reservoir models when new data become available and adapting injection 
strategies will be essential for the success of large-scale CO2 geological storage.
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1. Introduction
Existing pilot, demonstration and commercial storage projects have demonstrated that CO2 geological storage is 
technically feasible [1]. However, these projects do not operate at a scale that is necessary to make a significant 
reduction in greenhouse gas emissions into the atmosphere. The infrastructure (platforms, wells, pipelines, 
compressors) for injecting carbon dioxide will need to be in the order of magnitude larger than current carbon 
capture and storage (CCS) projects and larger even than existing petroleum installations. Also, geological 
formations close to industrial point sources may be of lower quality than has been encountered in existing projects. 
Reservoir quality information is particularly sparse for deep saline aquifers, resulting in large storage capacity, 
injectivity and sweep efficiency uncertainties. In most cases, the CO2 injection scheme will consist of multiple 
wells, potentially including wells for monitoring and pressure control. Consequently, the IEA Greenhouse Gas R&D 
Programme (IEA GHG) instigated a study to perform a literature review of efficient and cost-effective injection 
strategies and to discuss the tasks of estimating the number of wells and storage economics.
2. Review of injectivity assessment
Previous studies and methodologies for storage capacity assessment have largely used a volumetric approach. 
However, modelling studies and experience from existing operations (i.e., In Salah) have shown that one major 
limiting factor for CO2 storage is the injectivity of the injection horizon. In other words, the injection rate is limited 
by the maximum allowed bottom-hole injection pressure, which is in turn determined by the fracture pressure. 
Analytical models based on well hydraulics and numerical multiphase fl uid flow codes can be used to estimate 
injection pressures for potential storage projects. Analytical models have the advantage that they are easy and quick 
to use, which is particularly helpful for screening purposes and analytical well equations are widely used in the 
petroleum industry. However, most existing equations that calculate injection pressures do not account for solubility
of the CO2 in formation water and gravity effects. In addition, they are valid only for moderately compressible 
fl uids. Neglecting these processes can result in the over- or underestimation of reservoir pressures, particularly for 
high injection rates, low permeabilities and bounded reservoirs. Depending on the specific case of injection 
schemes, analytical models can still produce adequate estimates of reservoir pressure. The model developed by 
Mathias et al. [2, 3], which is based on Buckley-Leverett flow and considers two-phase injection (but no mixing) 
produces results for a wide range of reservoir and injection parameters. It is relatively easy to implement in a 
spreadsheet application because it does not have excessive data requirements and does not need the input of a 
somewhat arbitrary “effective radius” or “radius of affected area”.
More sophisti cated equations that account for relative permeability effects in zones of dry CO2 (near borehole), 
CO2-brine, and brine mixing [4, 5] may produce more precise results, but also require elaborate calculation or 
measurement of fluid saturation-relative permeability relationships. Running a simple numerical model, which 
would also account for gravity effects, might actually require less time to set up and run. For a more detailed 
assessment, numerical models are the only adequate means to capture impacts of reservoir heterogeneity, multiphase 
fl uid flow behaviour and fluid-rock interactions on the pressure distribution in the subsurface. A multitude of 
commercial and scientific codes have been developed or adjusted for the modelling of CO2 migration in the 
subsurface. Code comparison exercises [6, 7] and application of the various modelling codes for existing CCS 
projects have shown that numerical modelling of CO2 transport is in a very advanced stage. Still, more data from 
actual injection projects is needed to verify model predictions and to establish critical parameters like relative 
permeability and their scaling behaviour.
Despite the advanced understanding of subsurface flow processes and development of modelling tools, there are 
still some conflicting results in the literature on the estimation of pressure build-up, the number of injection wells 
required for large-scale CO2 geological storage and the storage efficiency. At one extreme, Economides and Ehlig-
Economides [5] conclude that based on their analytical equations and numerical modelling efforts, only between 
0.01 and 1 % of the pore volume are accessible for CO2 storage. Their findings, based on the example of a relatively 
thin (30 m) reservoir (depth = 1830 m, k = 100 mD, 20 % porosity), suggest that for a small number of wells a 
laterally extensive reservoir was needed, whereas a moderately-sized reservoir would require hundreds of wells, 
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rendering large-scale injection of CO2 over 3 Mt/year unfeasible. These results have been disputed by various 
research organisations like Lawrence Berkeley and Pacific Northwest National Labs and the European Technology 
Platform for Zero Emission Fossil Fuel Power Plants (ZEP). Modelling studies using a wide range of reservoir 
properties and injection rates [8, 9] also resulted in a relatively high number of required injection wells for 
industrial -scale injection rates. Person et al. [10] estimate the need for 726 injection wells for the storage of 80 
MtCO2/year in the Illinois B asin. Generally, it appears that these high well numbers are the result of injectivity 
models that assume relatively high residual water saturation and/or a somewhat related low value for CO2 relative 
permeability.  
In contrast, other authors model the injection of between 100 – 250 MtCO2/year with less than a hundred wells
[11, 12]. Modelling the injection for the Gorgon project suggest that up to 4.5 MtCO2/year can be safely injected 
through 9 wells into a reservoir with 25 mD average permeability (~ 2300 m depth, ~ 20 % porosity), but 4 water 
production wells are needed to manage reservoir pressures [13]. At In Salah (depth = 1830 m, k = 5 mD, thickness = 
30 m), approximately 1 MtCO2/year are currently injected through 3 wells with horizontal completions up to 1,500 
m in length [14].  Unfortunately, it is difficult to compare adequately the results from the different studies, because 
underlying model parameters and boundary conditions, as well as the employed modelling techniques, are different 
from case to case. Still, the examples of existing sites injecting in the order of 1 Mt/year, even in low-permeability 
reservoirs as in the case of In Salah, favour the more optimistic estimates. However, injection schemes may have to 
be optimised by employing horizontal well technology and/or pressure management wells. 
3. Injection strategies
As pressure build-up due to injection in both saline aquifers and depleted hydrocarbon reservoirs can be the most 
limiting factor for large-scale geological storage, strategies for pressure management will need to be considered. 
Including water production wells promises to relieve pressure build-up in the injection formation. Production wells 
have the additional safety benefits of (a) controlling the direction of plume migration as shown in C O2EOR 
applications and (b) increasing CO2 dissolution in the formation water. A disposal option for the produced formation 
water, particularly if saline and in an onshore environment, might pose geological and regulatory problems. In the 
end, the decisions to use water pressure relief wells is a trade-off between (a) the costs of such wells and the 
associated water disposal and (b) in the absence of pressure relief wells, the costs of adding injection wells to 
maintain injectivity.
   
Co-injecting water and CO2, either alternating through the same well (WAG) or simultaneously via different 
injectors (SWAG) has been successfully implemented in EOR operations [15] and should be directly applicable to 
CO2 geological storage. In the latter case, co-injecting water could be used even more broadly to direct the CO2
plume and maximise storage capacity by accessing lower-permeability pore space that would have been otherwise 
by-passed by the injected gas. This is because, in contrast to the EOR case, the injected CO2 does not need to target 
a specific hydrocarbon-bearing horizon. Optimising producer-injector configurations and alternating well operations 
throughout a multi-well field could be used to spread out the plume, increase the area contacted by the injected CO2
and thereby increase the dissolution rate [16], the residually trapped CO2 [17] and, ultimately, storage efficiency [18, 
19]. Dissolution of CO2 in water prior to injection would increase storage safety because CO2 would not be present 
in the subsurface in a buoyant separate fluid phase. However, large volumes of water are needed for this option [17, 
20]. Surface dissolution and injection of sour water is used in acid-gas disposal operations, but it appears to be 
feasible only for cases with a suffici ent source of disposal water, high permeability reservoirs, large storage volume 
and/or relatively low injection rates [21, 22].
Recently, an increasing amount of research has been concerned with the issues of regional containment, brine 
displacement and potential impacts of large-scale CO2 geological storage on shallow groundwater resources. For 
these issues, there do not appear to be adequate analogues (Table 1). Some EOR operations have many injections 
wells, but by the nature of these operations, the extent of pressure build-up is well-constrained by production and 
recycling part of the injected CO2 [23, 24]. Waste water disposal may be associated with large injection rates, but 
involves single-phase flow concepts [25]. The closest analogue to CO2 geological storage is acid-gas disposal. The 
technology and experience developed in the engineering aspects of acid-gas injection operations (i.e., well design, 
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materials, leakage prevention and safety) can be adopted for large-scale operations for CO2 geological storage, since 
a C O2 stream with no H2S is less corrosive and less hazardous [26, 27]. However, acid-gas injection rates are 
generally relatively low in most cases (<100 kt/year). Only injection rates of approximately 1 Mt/year at LaBarge in 
Wyoming [28] are comparable to Sleipner injection rates, which still is less than should be anticipated for industrial-
scale CCS operations. The next smaller acid-gas injection operations are Talisman’s Sukunka operation in British 
Columbia, injecting up to 300 kt/year, and the Zama (Apache Canada Ltd.) and Brazeau River (Keyspan Energy 
Canada) operations in Alberta injecting up to 120 kt/year.  Aside from the injection rate, problems related to loss of 
injectivity due to geochemical reactions of the injected gas with the reservoir rock may be applicable to larger-scale 
injection of CO2.
As there are currently no multi -well, high-volume disposal operations, studies on the regional impacts of large-
scale CO2 storage and the role of hydraulic properties of the sealing unit have been limited to more or less generic
numerical modelling exercises [11, 12, 29, 30]. However, unless model results can be verified with actual 
measurements, uncertainty in model parameters like relative permeability and the representativeness of up-scaling 
are aspects that remain unconstrained regardless of the conclusions drawn from such studies.
Table 1. Comparing characteristics of industrial-scale CO2 geological storage to other injection types (green = comparable, red = not comparable, 
yellow = partly comparable). Well numbers, injection rates and volumes are “site-scale” and refer to a single operation.
Characteristics
CO2 Storage
(large-scale)
Enhanced oil 
recovery
Acid-gas 
injection
Natural gas 
storage
Liquid waste 
disposal 
(Class I)
Geothermal 
(Hot saline 
aquifers)
Purpose
Reduction of 
CO2
emissions
Increase of oil 
production
Reduction of 
H2S flaring 
and stripping 
of CO2 from 
natural gas
Storage of gas 
for seasonal 
and backup 
energy use
Disposal of 
liquid waste
Energy 
production
Time scale 100s - 1000s of years < 100 years
100s - 1000s 
of years
seasonal, < 10 
years
> 10,000 
years < 100 years
Injection depth > 800 m Variable > 800 m variable >1500 m > 800 m
Total injection 
volume
> 100 Mt < 20 Mt < 20 Mt
Injection rate
~ 4 – 20 
Mt/year < 2 Mt/year < 1  Mt/year < 1 Mt/year < 1 Mt/year
Injection fluid CO2
CO2 (+ water, 
NG) H2S  + CO2 Natural Gas
Water, 
organics, 
other 
Water
Reservoir 
geometry
Saline 
aquifers, 
depleted 
hydrocarbon 
reservoirs 
Depleted 
hydrocarbon 
reservoirs 
Saline 
aquifers 
(open), 
depleted 
hydrocarbon 
reservoirs 
Depleted 
hydrocarbon 
reservoirs salt 
caverns & 
aquifers
Saline 
aquifers Saline aquifers 
Number of wells 10s to 100s < 675 1 - 3 1-3 2 - 4
Well types
Injection  +
monitoring, 
pressure 
maintenance
Injection & 
production Injection
Injection & 
production Injection
Injection & 
production
Well completion Corrosion 
resistant
Corrosion 
resistant
Corrosion 
resistant
Monitoring
Comprehensi
ve; pre-, syn-, 
and post-
injection
Variable; syn-
injection/prod
uction
At the 
Wellhead, 
syn-injection
Comprehensiv
e; syn-
injection
Wellhead, 
annulus
Variable, syn-
injection/produ
ction
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4. Economic implications and trade-offs
The geological properties of the target formation determine how easily CO2 can be injected. This in turn determines 
the numbers of wells required for injection or the total annual amount of CO2 that can be injected and so shapes the 
cost of injection both in absolute ($) and unit ($/t avoided) terms. The cost of C O2 storage includes not only the cost 
of injection but also the cost of compression, transport via pipeline and any intermediate boosting. For a more 
detailed discussion of the assumptions and methodology we refer the reader to previous work [8, 31, 32].
The effect of different permeabilities on the cost of storage is shown in Figure 1a for an example of 15 MtCO2/year 
injection into the Latrobe Group of the offshore Gippsland Basin [32]. A reduction in permeability from 150 mD to 
50 mD more than doubles the cost of storage, partly because at permeabilities below 100 mD, several platforms are 
required. At permeabilities beyond around 150 mD, changes in storage cost are limited and decrease by a few 
dollars per tonne when the permeability more than doubles. These cost trends mirror the effect of permeability on 
the number of wells. For instance, if the permeability is 1,000 mD, the cost decreases by only 8% compared to the 
cost at 400 mD.
The cost of injection is only one part of the costs of CCS. There are trade-offs between the different elements of the 
CCS process. One such trade-off is between transport and injectivity as shown in the following cost comparison 
between two storage formations [8, 33]. The first formation has generally poor injection characteristics (10 mD) and 
is 100 km from the capture plant whilst the second formation has generally better  injection characteristics (100 mD) 
but is 1,000 km from the capture plant. Figures 1b-d show the impact of various reservoir parameters on injection 
costs and provides a cost comparison between low- and high-permeability reservoir.
Figure 1. Impact of reservoir parameters on storage costs:  a) permeability, b) fracture gradients, c) formation thicknesses and d) formation 
depths. Figures b-d compare a distant, relatively high quality formation with a nearby, low quality formation. In all three cases, the distant site 
becomes the cheaper storage option when the injection rate is greater than about 4 Mt/yr [32, 33]. 
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In a formation with 10 mD, costs rapidly increases with flow-rate. The exception to this is the 23 MPa/km case 
where the cost initially drops for flow rates between one and five million tonnes per year. The results for the 
17 MPa/km and 20 MPa/km cases display discontinuities, but costs always increase with flow-rate and cost decrease
as fracture pressure increases.
According to Darcy’s law, injectivity is proportional to formation thickness as it helps define the contact area 
available for injection. This means that the number of wells and the cost are inversely related to the formation 
thickness (Figure 1c). As formation thickness decreases, the number of wells increases and so does the cost.
As depth increases, it is easier and less expensive to inject more CO2 (Figure 1d). The larger pressure-range between 
formation and fracture pressure at greater depths means that deeper wells are less sensitive to variations in 
permeability. In addition, CO2 can be stored at greater densities in deeper formations. Although it is not clear in this 
fi gure, well cost increases with depth and this will to some extent offset the cost reductions made possible in a 
deeper formation with more favourable injectivity.
Hydraulic fracturing creates higher permeability zones near the well bore and so improves injectivity. FigureFigure 
2a shows how hydraulic fracturing around horizontal wells affects the cost of CO2 avoided. In the 1 mD case,
fracturing reduces the overall cost of CO2 avoided because its advantages in increasing permeability more than 
offset its extra cost. In this case, the fracturing increases the relative permeability by 3.6 times. Yet fracturing does 
not have a significant net advantage when a higher permeability of 10 mD is assumed. This is because the increased 
injectivity does not reduce the number of wells as significantly as in the 1 mD case.
a.                                     b.
Figure 2. Effect of hydraulic fracturing on the cost of CCS: a) for two different permeabilities around horizontal wells and b) comparison of two
nearby, low injectivity storage formations with an unfractured 100 mD storage formation at a range of distances from the capture plant [8].
Figure 2b compares the cost of a distant site with a fractured nearby formation that has a permeability of 1 mD 
and with an unfractured nearby formation that has a permeability of 10 mD. The cost of the distant site is presented 
for a range of flow-rates and distances from the capture plant. The cost of CCS increases with distance because
pipeline costs increases. As flow-rate increases, the cost decreases because of economies of scale. Yet, at distances 
of 2,500 km and 5,000 km, the cost begins to increase because of the tonnage of pipe required and reaching the 
maximum pipeline diameter considered (42” or 1,050 mm). The engineering and economic analysis and 
optimisation of the trade-offs require a detailed knowledge of the characteristics of the reservoir. In other words, 
both require good geological models and detailed reservoir simulation.
The nearby, fractured 1 mD site is more expensive than the unfractured 100 mD site at the same distance 
because of the difference in numbers of wells and the cost of fracturing (Figure 2b). At a flow-rate of 1 Mt/yr, the 
distant site would have to be 250 km away to be of similar cost to the nearby, fractured 1 mD site. As the flow-rate 
increases, the distance at which the two sites cost the same also increases. When the flow-rate is 20 Mt/yr, the 
distant site would have to be much more than 5,000 km from the capture site to be the same cost as the nearby, 
fractured 1 mD site.  I f the nearby site has a permeability of 10 mD and is unfractured, the equivalent cost
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differences for the distant site are much reduced. At a flow-rate of 1 Mt/yr, the costs of the nearby and distant site 
are approximately the same. At a flow-rate of 20 Mt/yr, the distant site is cheaper if the distance is less than 500 km. 
Only when the flow-rate becomes greater than about 50 Mt/yr does the site 5,000 km away become the cheaper 
option.
5. Conclusions
Despite the advanced understanding of subsurface flow processes and development of modelling tools, there are 
still conflicting results in the literature on the estimation of pressure build-up, the resulting number of injection wells 
required for large-scale CO2 geological storage and storage efficiency. For these issues, there do not appear to be 
any adequate analogues, particularly with respect to the large CO2 injection rates (> 10 Mt/year) anticipated for 
industrial -scale CCS operations. As a result, studies on the regional impacts of CO2 injection and storage capacity
have been limited to more or less generic analytical and numerical modelling exercises. Since there are typically 
large uncertainties in model parameters, such as relative permeability or residual saturation, conclusions drawn from 
generic studies will have limited applicability until they can be tested against field data. 
Probably the largest uncertainties for CO2 storage are associated with the economics of large-scale CCS 
operations. Variations in the injection parameters that impact the number of injection wells required, significantly 
affect its costs. If we consider the impact of each injection parameter separately with all other things being the same,
we can assess the cost implications.
! Permeability - costs per tonne avoided decrease sharply with increasing permeability up to a point when 
further permeability increases result only in slight cost reductions. This is because high permeability 
means that few wells are required and when well numbers are already low, further increases in 
permeability do not significantly reduce costs.
! Injection rate - increasing flow rates increases injection costs because more injection wells are required.
! Formation depth/ fracture gradient - the allowable pressure build-up (difference between initial 
formation pressure and fracture pressure) increases with depth. Thus, as depth increases, it is easier and 
cheaper to inject more CO2. The larger pressure differential at greater depths means that deeper wells are 
less sensitive to variations in permeability. Moreover, CO2 can be stored at greater densities in deeper 
formations. However, these advantages are to some extent offset by the higher costs of deep wells.
! Formation thickness - a decrease in formation thickness results in a larger number of wells for the same 
injection rate. Therefore, costs increase.
! Well type - at high permeabilities vertical wells are cheaper than horizontal wells, whereas the opposite 
is true for low permeabilities.
! Hydraulic fracturing - fracturing can reduce cost in low-permeability environments (less than 10 mD). 
However, at higher permeabilities, the increased permeability does not reduce the number of wells as 
significantly.
Uncertainties in predicting reservoir properties and therefore in predicting injectivity will clearly affect the 
design of the injection system. Therefore, strategies and contingencies will need to be incorporated in development 
plans to allow for unforeseen changes in injection conditions during project life. Continuously updating reservoir 
models when new data become available and adapting injection strategies will be essential for the success of large-
scale CO2 geological storage. 
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